Guidelines for Cost-effectiveness Valuation Framework for Demand Response Resources in the Pacific Northwest
(DRAFT v3 – July 3, 2008)

Background

In May 2007, the Pacific Northwest Demand Response Project (PNDRP) agreed to form several Working Groups to explore demand response (DR) issues in more detail (Cost-effectiveness, Pricing, and Integrating DR into Distribution System Planning and Investment).  In July 2007, the Cost-Effectiveness Working Group met for a one-day workshop in Portland Oregon, which included presentations by a number of utilities on valuation approaches used for DR resources. In January 2008, draft guidelines for a DR Cost-effectiveness valuation framework were presented and discussed at a Working Group workshop.
 This document offers proposed guidelines for a cost-effectiveness valuation framework for Demand Response Resources that could be considered by state commissions and utilities in the Pacific Northwest. 

Purpose 

The primary purposes of a cost-effectiveness valuation framework for DR resources are to:

· Propose workable methods for state commissions, utilities and others to consider for valuing the benefits and costs of different types of DR resources in long-term resource planning;
· Provide methods that can be used in ex ante screening of DR programs for cost-effectiveness and to evaluate the treatment of a portfolio of DR resources/program options in an integrated utility resource plan;
· Document value of demand response for the purpose of rate setting.
Demand Response Resources

· Demand Response resources (DRR) are comprised of flexible, price-responsive customer loads that may be curtailed or shifted in the event of system emergencies and system operational needs or when wholesale market prices are high.

· It is useful to characterize Demand Response resources in terms of their “firmness” as a resource option from the perspective of the utility.

· Firm DSM Resources (Class 1)

· This class of DR resources allows either interruptions of electrical equipment or appliances that are directly controlled by the utility or are scheduled ahead of time.  These resources can include such programmatic options as fully dispatchable programs (e.g. direct load control of air conditioning, water heating, space heating, commercial energy management system coordination) and scheduled firm load reductions (e.g. irrigation load curtailment, thermal energy storage).

· “Non-firm” DSM resources (Class 3)

· DR resources in this group are typically outside of the utility’s direct control and include curtailable rate tariffs, time-varying prices (e.g., real-time pricing, critical peak pricing), demand buyback, or demand bidding programs. 
 Guidelines and Principles

1) Treat DR resources on par with alternative supply-side resources and include them in the utilities’ integrated resource plans and transmission system plans.

2) Distinguish among DR programs with respect to their design purpose, dispatchability, response time, and relative certainty regarding load response (e.g., firmness).

3) In assessing cost-effectiveness of DR resources, it is important to account explicitly for all potential benefits, including: avoided/deferred generation capacity costs, avoided energy costs, avoided T&D losses, deferred/avoided T&D grid system expansion, environmental benefits, system reliability benefits, and benefits to participating customers.

4) Incorporate the temporal and locational benefits of DR programs systematically (e.g. estimate avoided costs at hourly level, treat transmission congestion zones separately).

5) All DR program incentive and administration costs as well as participant costs should also be included. For DR programs in which customers have to voluntarily enroll, it can be assumed that total costs incurred by participants are less than or equal to the benefits, otherwise they would be unlikely to sign up and participate.

6) DSM programs are often screened using a set of benefit-cost tests that compare and assess the benefits and costs from different perspectives (i.e., society, utility, participants, and non-participants).
 These tests are not intended to be used individually or in isolation; results from the various tests should be compared and trade-offs between tests considered.
 These benefit-costs need to be modified and adapted in some areas to account for the distinctive characteristics and features of DR resources.
  
7) Utilities should consider conducting sensitivity analysis on key benefit and cost variables that have significant uncertainties which can have a major impact on program cost-effectiveness (see Appendix A for examples of the proposed cost-effectiveness screening method).

8) Initiate and conduct DR pilot programs to assess market readiness, barriers to customer participation and to obtain information on customer performance that can be used to characterize the timing and duration of load impacts for long-term resource planning. Pilot programs need to include exercises of ”non-firm” DR resources with a view to identifying a fraction of the resource that could be treated as firm for planning purposes.

Benefits of DR Resources

1) Avoided Generation Capacity Costs


a. “Firm” DR resources, when directly incorporated into a utility’s resource and reliability planning processes, can avoid the need for a relatively high heat rate generating capacity. The market value of that type of generating capacity will typically be based on a new natural gas-fired combustion turbine (CT). 

b. There is not a consensus on methods to determine the market value of new generating capacity avoided by a DR resource. Some parties in the Pacific Northwest have raised concerns about the appropriate way to value capacity when the region is long on power.
 Moreover, market prices for new capacity are not widely available.  
c. In the interim, using a benchmarking method that estimates the costs of a new gas-fired CT as a proxy to derive the market value of avoided generation capacity is a reasonable approach for screening DR programs.
  These costs have typically been estimated to range between $50-85 per kW-year in the past, but recent increases in costs have resulted in estimates of over $100 per kW-year.  

d. Estimates of hourly market prices for new generation capacity can be derived by allocating the estimated annual market price of generation capacity ($/kW-yr) among the hours in each year, in proportion to the relative need for generation capacity in each hour. Utilities, regulators, and other stakeholders should agree on method(s) to allocate avoided generation capacity costs to specific time periods that is appropriate for the Pacific Northwest power system.

e. Avoided T&D losses and Reserve margin -- The resulting estimates of generation capacity costs avoided by DR program should be adjusted upward to reflect the T&D line losses avoided by that DR resource capacity and the capacity planning reserve margin avoided by that DR program.

f. The capacity benefits of a DR resource should also be adjusted for differences that reflect operational program constraints (e.g., limits on the months, days, and/or hours in which DR program events can be called; limits on maximum duration of program events, limits on number of consecutive days on which program events can be called) compared to the capacity value of a new CT (including limits on the use of a CT).
2) Avoided Energy Costs

a. DR resources typically result in load shifting from peak to off-peak periods or load curtailments in which customers forego consumption for relatively short time periods. Thus, DR resources also enable utilities to avoid energy costs.

b. Because utilities can always buy or sell electricity in the wholesale energy market, the expected wholesale market electricity price in each future time period is the relevant opportunity cost for estimating the value of electricity that will be avoided by a DR resource.

c. Avoided energy costs should be adjusted upward to reflect distribution system line losses that DR load reductions would avoid in event hours.

d. Avoided energy benefits can be particularly important in evaluating DR programs from the participants’ perspective as they tend to directly affect customer bills.

e. DR program events are most likely to be called in hours when prices are higher than expected; using expected hourly prices will tend to under-estimate actual electricity market prices in the hours in which an event-based DR program is called and will reduce loads. 
f. Avoided energy costs may be estimated using several options: (1) wholesale energy prices averaged over the highest priced hours of a price forecast, and (2) stochastic methods (e.g., Monte Carlo simulations) that analyze the correlation between electricity prices and times that DR events are expected to occur and explicitly address the uncertainty in future loads, prices, hydro conditions in the Pacific Northwest regional utility system. 
3) Deferred Investments in Transmission and/or Distribution System Capacity

a. The transmission and distribution system is comprised of three key elements: interties, local network transmission, and local distribution systems.

b. DR programs that provide highly predictable load reductions on short notice may allow utilities to defer and/or reduce transmission and/or distribution (T&D) capacity investments in specifically defined congested locations on the grid and thus avoid T&D costs.

c. Utilities should consider one of two options in estimating avoided T&D costs: (1) develop a default avoided T&D cost which may be applied to DR programs that meet pre-established criteria regarding locational value and certainty of load reductions or (2) estimate avoided or deferred T&D capacity investments on a case specific basis.

d. The default avoided T&D costs can be calculated by using marginal costs associated with local transmission and distribution substation equipment, which is principally related to transformer capacity.

4) Environmental Benefits (and Costs)
a. DR resources have the potential to produce environmental benefits by avoiding emissions from peaking generation units as well as some potential conservation effects (i.e. through load curtailments, foregoing usage).

b. Assessing the environmental impacts of DR resources depends primarily on the emissions profile of the utility’s generation resource mix as well as participating customer’s DR strategy (e.g., load curtailment vs load shifting vs onsite generation).

c. For DR resources that result in load curtailments, a reasonable proxy for estimating the volume of greenhouse gas (GHG) emissions avoided by a DR resource is to base it on the operating and emission rate characteristics of a new CT.

5) Reliability Benefits

a. DR resources can provide value in responding to system contingencies that compromise electric system operator’s ability to sustain system level reliability and increase the likelihood and extent of forced outages. 

b. In the context of long-term resource planning, joint consideration of economic (avoided capacity and energy) benefits and reliability benefits is challenging. In an IRP plan, the value of DR hinges primarily on its ability to displace some portion of the utility’s peak demand. Once DR resources are included in the utility’s projected capacity resource mix, they become part of planned capacity and are no longer available for dispatch during system emergencies.

c. Customers participating in emergency or other “non-firm” DR programs are not counted on as system resources for planning purposes; they represent an additional resource for reliability assurance; distinct from “firm” DR programs that are counted among planned reserves.
 
d. In assessing the value of these emergency-type DR programs, a reasonable proxy for monetizing the value of load curtailments is the product of the value of lost load (VOLL) with typical values between $3-5/kWh and the expected un-served energy (EUE).

DR Resource Costs

6) Program Administration Costs

a. Utilities will incur initial and ongoing costs in operating DR programs. Incremental program costs attributable to DR resources can include program management, marketing, customer education, on-site hardware, customer event notification system upgrades, and payments to third party curtailment service providers that implement aspects of a DR program.

7) Customer costs

a. Customer costs are defined as those costs incurred by the customer to participate in a DR program and can include investments in enabling technology to participate, developing a load response strategy, comfort/inconvenience costs, rescheduling costs for facility workers, or reduced product production.

b. For a voluntary DR program, it is reasonable to assume that participant costs are less than or equal to the incentives offered by the program; otherwise most customers would not voluntarily chose to participate.
 The exceptions are those customers who believe participation is the right thing to do, regardless of their personal costs

8) Incentive payments to participating customers

a. Incentive payments are paid to customers participating in DR programs to encourage them to enroll initially and continue in the program. Incentives also compensate customers for any reduction in the value of service that they would normally receive (e.g. higher household temperatures during an A/C cycling event or increased costs when a business shuts down some of its equipment when an emergency event is called). 

b. For voluntary DR programs, in evaluating cost-effectiveness, it is reasonable to assume that total customer costs incurred by participants will be equal to the present value of incentives expected to be paid.

9) Characterizing DR Resource Costs

a. It is reasonable to ramp up enrollment in DR programs over a multi-year period (e.g. 3-4 years) and to match the time horizon of DR costs and benefits (e.g. use expected life of DR enabling technology in assessing benefits).

b. In modeling DR program options, it is useful to categorize costs into fixed  expenses (program development, ongoing administration, communication and data acquisition infrastructure) and variable costs (e.g. incentive payments to customers, participant acquisition costs, other program costs that vary with number of participants or the number of times that DR program events are called).).

10)  Relationship between DR screening and portfolio analysis

a. A long-term resource plan that includes a portfolio analysis and accounts for the uncertainties in future loads, prices, and resources, is the preferred approach to fully value the benefits of DR resources

b. In screening DR resources and program concepts, it is also useful to establish cost-effectiveness thresholds that allow regulators and utilities to estimate whether a DR program is worthwhile to pursue.
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� The Draft Guidelines were developed based on discussions among participants in the PNDRP Cost-effectiveness Working Group and our review of DR valuation studies and cost-effectiveness proceedings currently underway in other jurisdictions (see References). 





� Most of the benefits of DR resources are related to avoiding relatively low probability future events (e.g. unusually high peak demand or energy prices) in relatively few hours, whose occurrence could have significant economic consequences. 


� For participants, benefits include bill reductions and any financial incentives paid, tax credits (if available) and non-energy benefits; costs include capital and O&M costs associated with installation of DR enabling technologies, the value of service lost (e.g. reduced productivity and/or comfort), and transaction costs. As a practical matter, this means that for a voluntary DR program, utilities can assume that the benefit/cost values for the Participant Test are greater than one.


� See California Standard Practice Manual Economic Analysis of Demand Side Programs and Projects, October 2001 as one example. � HYPERLINK "http://www.energy.ca.gov/greenbuilding/documents/background/07-J_CPUC_STANDARD_PRACTICE_MANUAL.PDF" ��http://www.energy.ca.gov/greenbuilding/documents/background/07-J_CPUC_STANDARD_PRACTICE_MANUAL.PDF�


� PUCs and utilities may consider using the Total Resource Cost (TRC) or Societal Test as the primary test in screening DR programs.


� DR programs are often intended to avoid and minimize the consequences of relatively low probability future events (e.g., system emergencies, high energy prices) that occur in relatively few hours, whose occurrence could


have significant economic consequences.


� Similarly, in California, the investor-owned utilities have proposed to offset the present value of the total fixed costs of that new CT by the present value of the gross margins that the new CT capacity is expected to earn from selling energy when wholesale electricity market prices exceed variable costs. Other parties in California (e.g. industrial customers) disagree with the method proposed by the California utilities.


� In estimating CT costs, utilities should annualize total investment using a real economic carrying charge rate that takes into account return, income taxes, and depreciation, with O&M, ad valorem and payroll taxes, insurance, costs associated with obtaining firm gas transmission, and capital costs incurred to comply with existing environmental regulations including acquisition of offsets for criteria pollutants. 





� In California, the utilities have proposed allocating the annual market value of new CT capacity to individual hours in proportion to the loss of load expectation (LOLE) in each hour.


� The extent to which DR programs may defer or avoid specific T&D capital investments depends on: 1) the characteristics of the individual utility system, 2) the specific T&D investment proposed, 3) the characteristics of the customer load to be served by the proposed T&D investment, 4) the attributes of the proposed DR program, and 5) the level of uncertainty associated with the projected load impacts of the DR program. 


� The specified criteria for DR programs are designed to limit application of avoided T&D costs to DR programs that: (1) are located in areas where load growth would result in need for additional delivery infrastructure, (2) are capable of addressing local delivery capacity needs, (3) have sufficient certainty of providing long-term reduction that the risk to utility of incurring after-the-fact distribution system replacement costs is modest, and (4) can be relied upon for local T&D equipment loading relief. 


� Marginal T&D costs often include local T&D lines, towers and power poles, underground conduit and structures which are added as service is extended into new geographic areas; these costs are generally not related to peak demands in a specific area and are typically not avoided by a DR program.


� Emergency DR programs provide incremental reliability benefits at times of unexpected shortfalls in reserves. When all available resources have been deployed and reserve margins still cannot be maintained, curtailments under an emergency DR program reduce the likelihood and extent of forced outages.


� Expected unserved energy (EUE) is a measure of the magnitude of a reserve shortfall which takes into account the change in the likelihood of curtailment (i.e. loss of load probability) and the amount of load at risk.


� One possible exception are those customers that are motivated by civic responsibility and believe that participation in a DR program and responding to a electric power system emergency are the “right thing” to do, regardless of their personal costs.


� It is reasonable to treat incentive payments in voluntary DR programs as compensation for any loss of service or out of pocket costs that participating customers expect to incur under the assumption that the customer would not participate if the incentive wasn’t sufficient to offset these costs. 





